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Abstract 

This paper illustrates a practical systematic approach to 
determine the reservoir flow characteristics and reserves for 
both conventional and unconventional gas wells.  Currently, 
there is an industry assortment of production analysis methods 
ranging from exponential decline and typecurve matching to 
rate-pressure normalization techniques and detailed production 
history matching.  Through real life cases studies it will be 
shown that it is possible that a simpler reservoir model, such 
as a single well completed in the center of a circular reservoir, 
could be used to represent far more complex reservoirs, and 
still provide some representative reservoir characterization, as 
well as accurate reserves analysis and production forecasting.    
As a result, it possible that engineers and the like can avoid 
some of the more labor intensive production data analysis 
(PDA) techniques, and use more a methodology similar in 
operation to traditional decline.  

Case studies and experience presented in this paper will 
demonstrate that a simple approach of production analysis 
methods will allow for a) proper identification of flow 
regimes, b) reliable evaluation of drainage area and OGIP, and 
c) the prediction of future deliverability and depletion.  Case 
studies will also show that up-scaled and aggregate reservoir 
properties can provide a real measure of gas well deliverability 
(therefore a simpler, time-efficient model analysis can be 
used).  Data uncertainty, unconventional gas (i.e. coal bed 
methane, tight gas, shale gas), stimulation appraisal, and other 
factors will be discussed in the context of the case studies. 
 
Introduction 

The most common reason for analyzing gas production data 
is to estimate reserves and future production of gas wells.  In 
forecasting, a variety of methodologies exist ranging from 
simple decline to complex numerical simulation.  In many 
instances, even pressure transient analysis (PTA) is used to 
form the basis of a forecast model.   However, usually due to 
time limitations, only empirical methods such volumetrics, 

and conventional decline analysis are used.  As a result, there 
is challenge is to get the most out of information embedded in 
production and flowing pressure data to provide improved 
mechanistic predictions of future gas well performance. 

  Again, sophisticated methods, such as numerical 
simulation, have been available for decades and may provide 
the answers that industry needs.  Although their predictive 
capabilities are proven, the accessibility (i.e. ease of use) of 
these methods is the issue.  Of course, if time permits, all other 
techniques should be used. 

 
Background 

Early attempts to linearize and extrapolate production 
history were limited.  Future production could be estimated if 
one assumed that the production trend remained linear and 
constant for the remaining life of the well (i.e. stable fluid 
properties, constant flowing bottom-hole pressure (BHP) etc.). 
The difficulty of applying this type of decline analysis for gas 
cases is that these assumptions are severely restrictive and are 
therefore frequently violated. Again, given business time 
constraints, the aforementioned methods are the norm for 
industry.   

In order to address the deficiency of standard decline 
analysis, typecurve analysis has been developed over many 
years. Typecurves are plots of theoretical solutions to flow 
equations (usually constant flow rate, or constant BHP) and 
can be generated for any kind of reservoir model for which a 
solution describing the flow behavior is available.  Typecurve 
analysis theoretically allows one to estimate gas-in-place and 
gas reserves at some abandonment condition, as well as 
flowing characteristics of individual wells (i.e. permeability 
and skin).  A common set of decline typecurves are those 
presented by Fetkovich (1980).  Although more reservoir 
information is learned using Fetkovitch typecurves, they were 
still limited by the assumption of constant BHP, and constant 
fluid properties.  Carter (1985) offered improved accuracy by 
using a plotting function that included the changes in fluid 
properties with average pressure.  These curves were still 
limited to the assumption of constant flowing pressure.  
Carter’s approach was similar to the pseudo-time function 
introduced by Agarwal (1979) in which the focus was to 
account for pressure dependant fluid properties in the near 
wellbore region during a flow and buildup analysis.  Fraim 
and Wattenbarger (1987) also introduced a pseudo-time 
function to transfer a gas system into a single phase liquid 
system. 

In order to alleviate the problem that many typecurves were 
limited to an assumption of constant flowing pressure, 
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Blasingame and Lee (1986) introduced a plotting variable 
called “material balance time” which allowed an equivalent 
constant rate solution to be extracted from a variable rate 
history.  This equivalent solution was then applied to 
typecurve analysis, also accounting for pressure dependant 
properties via pseudo-time based on average reservoir 
pressure.  Other methods of extracting a constant rate or 
constant pressure response from variable rate-pressure data 
include deconvolution schemes such as those proposed by 
Bostic, Agarwal, and Carter (1980), or Kucuk and Ayestaran 
(1985). These days, there are a growing number of typecurves 
available, including: hydraulically fractured wells in bounded 
reservoirs, composite reservoir scenarios, horizontal wells and 
more.    

 
Proposal: Equivalent Radial Homogeneous Models 

It is proposed that a simpler reservoir model (a single well 
completed in the center of a circular reservoir) can be used to 
represent a far more complex reservoir system and still 
provide some representative reservoir characterization and 
accurate production forecasting.  Jordan, Fenniak, and 
Sibbald1 empirically showed (using synthetically generated 
data) that radially composite reservoirs, dual porosity 
reservoirs, etc. could be effectively reduced to an “equivalent 
radial homogeneous” (ERH) model with accurate reserves, 
and a gross effective permeability. Most of the work by 
Jordan1 et al was based on introducing permeability 
calculations into the popular a) “rate-cumulative production 
typecurves” introduced by Argawal2 et al and Gardner3 et al, 
as well as b) “normalized rate-time plots” introduced by 
Wattenbarger5,6,7 et al.  The objective of these authors was to 
find a method evaluating OGIP, based solely on production 
data, without considering reservoir flow capacity etc.  Another 
inspiration was Toh4 who demonstrated, using extensive 
numerical simulation, that random permeability fields and 
somewhat sectionally homogeneous reservoirs could be 
represented by an average effective permeability during 
pseudo-steady state (PSS) flow – his work focused solely on 
calculating equivalent effective permeability from decline 
equations for oil and gas.  

Termed as “Normalized decline” in this paper, the 
aforementioned methods by Argawal2 et al, Wattenbarger5,6,7 
et al, and others seek to linearize variable rate-pressure to 
equivalent single rate or constant pressure cases for OGIP.  
With a slight modification of the normalized decline plots, 
equivalent permeability can also be extracted as suggested by 
Toh4.  A review of Appendix 1 will show a derivation of 
Normalized Rate vs. Cumulative Production analysis (or NRQ 
analysis) whereby OGIP is determined from the x-intercept of 
the normalized data, and permeability is extracted from the y-
intercept.  A review of Appendix 2 will show a derivation of 
Normalized Rate vs. Time (or NRT analysis) whereby OGIP 
is determined from the slope of the linearized data, and 
permeability is also extracted from the y-intercept.   Both of 
these relations are derived from the classic PSS flow 
equation8.   

A review of the final solution for each normalization 
technique will show that the y-intercept is proportional to 
permeability, drainage area, net pay, and even shape factor.  
Initially, this might be intimidating as it implies that 

permeability can only be accurately determined if all these 
other factors are shown.  However, since the y-intercept in 
each linearization method is a single term, then the effective 
permeability will compensate for errors in the other 
parameters.    In other words, if a shape factor, net pay, and 
skin are assumed for a given data set, there is an ERH model 
that represents the original reservoir on a PSS basis.  

Now, it is understood that these linearization methods were 
developed under the assumption that PSS flow exists. 
Specifically, permeability, wellbore skin, net pay, etc. are not 
so interchangeable during transient flow periods.  However, 
long-term deliverability and productivity is generally of more 
concern than transient or flush production.  

Nonetheless, it may be argued that these simple 
linearization techniques may only be applicable to 
conventional gas reservoirs, and that an ERH model may not 
be suitable to coal gas, tight gas, shale gas or other 
unconventional scenarios such as stress dependant 
permeability and porosity.  The motivation behind this paper 
was to investigate a variety of well documented data sets (both 
field and simulated) which fall under the umbrella of 
unconventional gas, and determine the applicability of an ERH 
model by evaluating reserves estimation, production forecasts, 
typecurves, and even stimulation effectiveness.  In all cases, a 
shape factor (CA) of 31.62 was used, implying a well 
completed in the center of a circular reservoir9.   Also, a 
wellbore skin of “0” was assumed unless otherwise stated.  

 
 

Case Studies  
Case 1: Internal Boundary. This model consisted of a 
vertical well completed in the center a circular drainage area 
(Figure 1), and was heavily studied by Sageev et al9. Offset 
from the well is a large circular zero permeability region, or 
internal boundary.  In this case, a large 72 Acre internal 
boundary was placed 100 ft away from the well (with a center-
to-center distance of 1100 ft).  Reservoir permeability was set 
to 20 md.  Overall pool area (including the internal boundary) 
was 640 Acres.  The net OGIP, excluding the pay associated 
with the internal boundary, was 5.4 Bcf.   These parameters 
are summarized in Table 1.  All of the work presented by 
Sageev et al9 was synthetic. 

The NRQ and NRT analysis (Figures 2 and 3), based on 1 
year data, indicated an average reservoir permeability of 16 
md and OGIP of 5.4 Bcf.   The corresponding net drainage 
area was calculated to be 568 acres, a difference of 72 acres 
from the gross pool boundaries.   Since a shape factor (CA) of  
31.62 was used in the analysis, it is expected that permeability 
would be calculated incorrectly – basically, the permeability 
compensated for the error in shape factor.  

Next, based on the normalized decline results, 5 year 
forecasts (Figure 4) were generated using the simple radial 
model presented by van Everdingen and Hurst10.  A review of 
this plot shows that the normalized decline analysis produced 
an ERH model which could be used accurately for estimating 
reserves and generating extended production forecasts. This is 
an important illustration that the complexity of permeability 
variations in reservoirs need not necessarily be fully described 
in order for a reliable forecast to be made.   
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Figure 5 shows the dimensionless constant rate 
typecurves (CRT) for both the internal boundary model and 
the simplified ERH model. It is obvious that the ERH model 
does not accurately characterize the transient behavior of this 
data. The effect of the large low permeability area on 
variations in the derivative trend is clearly seen for the Sageev 
et al9 et al model.  However, if only monthly data was used in 
the analysis, then we find that the raw data generally only 
really reflects PSS (Figures 6 and 7 show the Bourdet11 and 
Blasingame12 et al typecurves respectively).    
 
Case 2: Tight Gas Well C231.  Recently, Arevalo-
Villagran13 et al published a methodology whose objective 
was to present physical scenarios that cause long-term linear 
flow in tight gas reservoirs (i.e. linear flow during both 
transient boundary dominated flow regimes), and then 
characterize these reservoirs using specialized diagnostic plots 
(i.e. ∆m(p)/qg vs. t0.5, and vs. ∆m(p)/qg vs. t0.25).  Some of the 
results that were found were that long-term flow in tight gas 
wells may be developed and controlled because of the 
presence of natural fracturing in the reservoirs, or natural 
paths and streaks of higher permeability/conductivity.  Other 
possible conclusions were that hydraulic fractures may extend 
to the drainage boundary14.  

Six of the wells (known as the Castlegate tight gas wells) 
analyzed were located in Utah, U.S.A.   One particular well, 
C231, was analyzed in this paper (Figure 8 shows the raw 
data). Initially, these wells data were plotted on a ∆m(p)/qg  vs. 
log (t) plot to identify radial flow.  A “semi-log straight line” 
was found for each well and “k” and “s” were calculated, 
using the perforated interval as “h” (refer to Figure 9).  The 
calculated permeability and skin for C231 was 0.04 md and -
4.79, respectively.   Next, using a plot of ∆m(p)/qg vs. (t), 
OGIP was calculated to be 0.9 - 1.0 Bcf, with a drainage area 
of 51 to 54 Acres, and a shape factor of 0.68 (refer to Figure 
10).   The parameters for wells are summarized in Table 1. 
Incidentally, the PSS superposition time function used by the 
authors of the original work could have been replaced by 
Material Balance Time3,6,7. Results were later verified using 
the well known Gassim Simulator15.  

Using the normalized decline method (refer to Figures 11 
and 12) and ERH methodology, the OGIP was determined to 
be 0.7 Bcf with an average effective permeability of 0.17 md 
(again, the permeability calculation was of course based upon 
an assumed shape factor of 31.62 and an assumed skin of 0).   
Drainage area was estimated to be 35 Acres.   As a further 
experiment, the same data was re-analyzed assuming a skin -
4.79 (refer to (7) in Appendix 1): the resulting permeability 
was calculated to be 0.054 md, while Area and OGIP 
remained at 35 Acres and 0.7 Bcf, respectively.  Production 
forecasts were then generated using both ERH models, and the 
results were found to be identical confirming the hypothesis 
that equivalent radial models exist that would suitably predict 
long-term deliverability.  Figure 8 shows both ERH models, as 
well as the original data set.  Of course, transient behavior 
would be different for both models.   
 
Case 3: Stress Dependant Permeability.   In 2004, 
Rodriquez18 performed an extensive investigation into the 
pressure and production performance on tight gas reservoirs 

with considerations for stress dependant permeability during 
transient and PSS.   In his work, permeability was assumed to 
vary exponentially with both pore pressure (refer to (12) in 
Appendix 3) and permeability modulus (γ) (as defined by Nur 
et al 19).   For his purposes, Rodriquez18 limited the 
permeability modulus to a range of 0.0 to 0.001, with 0.001 
having the most impact on permeability as reservoir depletion 
occurred.  Also, Rodriquez’s work focused solely on 
simulated data, as opposed to field measured rates and 
pressures.  

Although Rodriquez evaluated varying level’s of pressure 
dependency, he limited his bounded radial reservoir models to 
the following parameters: a drainage radius of 3,000 ft,  an 
OGIP of 259 Bcf, and a base permeability of 2.5x10-3 md. 
These parameters are summarized in Table 1.   Production 
rates were set to constants, but he did vary the constant rate 
from case to case.  Constant rate simulation runs were also 
performed using the Gassim Simulator15 . Flowing sandface 
pressures were calculated, and then compared.    

For the purposes of this paper, Rodriquez’s data for γ = 
0.0008 was examined using the normalized decline and ERH 
methods.   Using Rodriquez’s data for a constant production 
rate of qg of 10 mscf/d, normalized decline (Figure 13) 
indicated a drainage radius of 2,648 ft, an OGIP of 
approximately 202 Bcf, and an effective permeability of 
2.1x10-3 md.  Figures 14, 15, and 16 showed reasonable 
matches between the ERH and the raw data. The figures also 
showed the majority of data falls on PSS making transient 
analysis redundant.   Initially it was thought that that the error 
in OGIP was within reason, but a review of the work provided 
by Rodriquez will provide a correlation that showed calculated 
OGIP would be pessimistic if pressure dependency was not 
taken into account.  A review of Figure 17, which shows two 
cases with different constant flow rates, demonstrates error 
introduced by the impact of pressure dependency amplifies 
with greater rates of depletion.  Nonetheless, the error did 
initially appear to be acceptable, the calculated reservoir 
parameters suitable, and the normalized decline and ERH 
methods successful. 

As a further test, another of Rodriquez’s cases was 
analyzed using the normalized decline and ERH approach.  
All parameters were the same as before except that the 
drawdown rate was 20 mscf/d as opposed to 10 mscf/d.  
Results indicated a significantly lower OGIP of 131 Bcf – this 
error could not be attributed to anything other than the 
methodology.   It was believed that the normalization 
procedure was not applicable to reservoirs with pressure 
dependant rock properties such as porosity and/or 
permeability.   However, if the normalized equations are 
rederived in the same manner as presented in Appendices 1 
and 2, except that k = kak(PR), then we find that the data can 
again be normalized such that the correct OGIP and base (or 
initial) permeability are determined.  Of course, we imply 
“correct” permeability based on a shape factor 31.62.  
Appendix 3 shows the new formulation of the normalized 
equations.   In each case, the y-intercept returns the base or 
initial permeability.  A review of Figure 18 will show that 
NRQ analysis now provides a correct estimate of OGIP.  
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We believe, as long as non-linear permeability was taken 
into account, the normalized decline method would determine 
the correct reserves. 
 
Case 4: Tight Gas Well J7.  Wattenbarger, El-Banbi, and 
Maggard presented an analysis of tight gas wells from a field 
in South Texas, one of which was J7.  The well was 
hydraulically fractured and had been producing for nearly 23 
years.  Monthly production rates and fluid/rock properties are 
the only data available.  Refer to Table 1 for the listing of the 
reservoir parameters for this well.  

After a number of simulation runs and regressing on 
model parameters, the two best fits reported by the authors 
were that of the linear homogeneous closed reservoir and 
radial transient dual porosity closed reservoir providing an 
OGIP ranging from 6.9 – 7.1 Bcf.  Two other models (linear 
PSS dual porosity closed reservoir and linear transient dual 
porosity closed reservoir) did not provide a suitable match.    
Incidentally, the operator and others believed that the field had 
some natural fractures in one direction and that these natural 
fractures enhanced the permeability in their direction resulting 
in anisotropic behavior (for such a reservoir shape, linear flow 
was anticipated to be observed for majority of the life of the 
well).   

Normalized decline analysis (Figure 19) provided an initial 
OGIP of 4.9 Bcf (which is slightly lower than the reported 
results), with an effective permeability of 0.01 md, and a 
drainage area of 49 Acres.  A review of the production history 
match indicated that the results were generally suitable (Figure 
20). A review of the dimensionless constant rate and constant 
pressure typecurves did not provide any further insight.   
Incidentally, the majority of the “interpretable” data fell onto 
the PSS portion of the curve. 

We believe the normalized decline method can determine 
correct reserves and effective permeability in tight gas 
situations. 
 
Case 5: Tight Gas Wells HR-58 / HR-60. Wells HR-58 
and HR-60 are in high pressure, tight gas reservoirs were the 
subject of analysis by Ibrahim 5,6,7.  The data for both wells are 
given Table 1.  In the original work, Ibrahim focused on the 
original form of the normalization technique presented in 
Appendix 2.  Those results indicated the OGIP for HR-58 and 
HR-60 to be 9.8 and 7.15 Bcf respectively. The OGIP values 
were estimated using a linearization procedure in which 
∆m(p)/qg was plotted as against super-ta,pss (superposition PSS 
pseudotime).  The aforementioned analysis was comparable to 
the work done by Arevalo-Villagran13 et al. Permeability was 
estimated, presumably through simulation and pressure 
transient analysis, to be 0.038 md and 0.06 md, respectively.   
Incidentally, the objective of the original work was to 
illustrate the impact of pressure dependant gas properties on 
reserve estimation in the linearization process.  

Using the normalized decline procedure outlined by the 
authors of this paper, OGIP for HR-58 and HR-60 wells were 
estimated to be 7.7 and 6.6 Bcf respectively. The 
corresponding permeabilities were found to be 0.14 and 0.22 
md. The differences in calculated permeability may have been 
due to stimulated conditions of the wells (which was not 
reported), or shape factor.    

As a further experiment, both wells were re-analyzed using 
¼ of the net pay reported.  As expected, normalized decline 
resulted in the same OGIP, but the calculated permeabilities 
for HR-58 and HR-60 were now calculated to be 0.62 and 1.0 
md respectively.   Figures 21 and 22 show the NRQ for these 
wells while Figures 23 and 24 show the production history 
matches using the ERH models based varying net pay.    As 
can be seen, regardless of the net pay and permeability 
combination, suitable production models can be generated.  
Assuming the incorrect net pay may be compensated by 
changes in permeability (in a manner similar to skin), but the 
resulting drainage area would be incorrect, and may have an 
impact of drilling density.   Due to noise and data scatter, the 
Bourdet11, Blasingame12, and even the NPI20 typecurves did 
not provide more insight than verification of PSS and reserves.  
 
Case 6: Dry Coal Gas: In this section, the normalized 
decline and ERH methodology is applied to numerically 
generated single phase CBM production data (as presented by 
CBM pioneers Clarkson and McGovern18).  In their original 
work, Clarkson and McGovern, using the EclipseTM numerical 
simulator,  evaluated the accuracy of tank models for 2 phase 
and single phase CBM production matching and forecasting.  
For their single phase applications, they assumed a single well 
centrally located within a bounded reservoir with a drainage 
area of 160 Acres.  Based on the specified Langmuir volume 
(250 scf/ton, in-situ) and Langmuir pressure (661 psia), the 
OGIP was calculated to be 1.6 Bcf at an inital reservoir 
pressure of 600.  A listing of the remaining reservoir 
parameters are given in Table 1.   

However, prior to performing the normalized decline 
analysis, it was anticipated that the material balance 
calculations for pseudo-time and average reservoir pressure 
would have to be altered to account for the additional gas 
adsorbed on the coal surface.   This was done using the 
modified “P/z” calculation introduced by King, who presented 
material balance techniques for Coal-Seam and Devonian 
Shale Gas Reservoirs with Limited Water Influx19.   It is 
important to note that other authors have presented suitable 
material balance techniques for single and two-phase coal, and 
that King’s approach was chosen arbitrarily. 

Accounting for the effect of coal compressibility (i.e. coal 
gas content) within the material balance and pseudo-time 
calculations, we find that the normalized decline approach will 
also linearize CBM data (Figures 25 and 26), in a manner 
identical to conventional gas.   As a result, absolute effective 
permeability and OGIP can be derived from either of the 
normalized decline plots.    A production match of the original 
simulated data and ERH model are shown in Figure 27.   Plots 
of the Blasingame12, NPI20, and Bourdet11 typecurves are 
shown in Figures 28, 29, and 30, indicate that the linearization 
procedure and ERH model both work well.  The Bourdet 
typecurve shows significant scatter, making transient 
interpretation difficult.  It is not believed that the original 
simulations run by Clarkson and McGovern made use of 
matrix shrinkage effects sometimes observed in coals.   
However, given the observations from the Case 3, it is 
anticipated that non-linear pressure and porosity behavior in 
coal seams could be incorporated into the normalized decline 
methodology.   Authors such as Somerton21 et al proposed a 
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correlation that allows formation permeability to vary with the 
changes in net stress ∆σ, which can be correlated to changes in 
pore pressure ∆σ = 0.572 ∆p as suggested by Walsh22.   
Appendix 4 proposes a method to adapt the normalized 
decline method to two-phase coal.   Although not presented, 
the authors have tested this extensively. 

As a further test of the normalized decline / ERH 
methodology and its applicability to reservoirs that obey 
isotherms, production data from the Barnett Shale was also 
evaluated;  in particular, data taken from the Stella Young 
Well presented by the GRI in 199123.  Although not presented 
in this paper, similar success was observed.  
 
Case 7: Hydraulic Frac / Tight Gas Well. In the work by 
Baree24 et al, Well  #1 (as denoted in the original work) was a 
stimulated well.  OGIP and drainage area was estimated using 
the matching technique based upon the work of Agarwal and 
Gardner2 (Figure 34). Once the effective drainage area was 
determined, reservoir flow capacity and effective fracture half-
length was derived from a semi-log plot of normalized 
pressure versus adjusted time.  Results from the original work 
indicated a finite conductivity fracture in square reservoir with 
a flow capacity of 3.27 md-ft, with a reservoir permeability of 
0.14 md.   Fracture half-length was calculated to be 22 ft from 
production modeling, and 369 ft from pressure buildup 
analysis.    

Again using the normalized decline approach outlined in 
this paper, the raw data was analyzed for OGIP and average 
effective permeability.  Assuming a circular reservoir with a 
well located in the center, the area was calculated to be 136 
Acres, the OGIP 2.1 Bcf, with an average effective 
permeability of 0.28 md.    The NRQ is shown in Figure 32.  

Although the calculated permeabilities differ by a factor 
of  2, both models provide a suitable production match for the 
raw data during stabilized production (and even transient 
flow).  Figure 31 shows a comparison of the original raw data 
and model provided by Baree et al, as well as the model by the 
authors of this work.   The differences between the raw data 
and models is nearly imperceptible.  The typecurve match 
from Baree24 et al is shown in Figure 33, while the Bourdet11, 
Blasingame12, and even the NPI20 are shown in Figures 35, 36, 
and 37 respectively.  These typecurves suggest that the 
pressure data could be modeled with a radial homogenous 
reservoir, as opposed to a infinite-conductivity fracture model.  

Conclusions & Future Work 
After completing and reviewing the above case studies (as 
well as related work), it was concluded that: 

a) Complex and heterogeneous reservoirs can be 
reduced to simpler, equivalent radial homogeneous 
(ERH) reservoirs during pseudo-steady state.  
Specifically, it has been observed that these 
reservoirs deplete like homogeneous reservoirs. 

b) The effective permeability of these ERH models 
compensates for errors in shape, heterogeneity, near  
wellbore formation damage, and even net pay.  

c) If OGIP is honored correctly, then accurate 
production forecasts can be generated using the ERH 
model, assuming the equivalent effective 
permeability is used.   Non-linear transformations 

such as pseudo-pressure and pseudo-time should also 
be honored.  

d) These ERH models can be applied to conventional 
and unconventional gas including tight gas, single-
phase and two-phase coal gas, and even shale gas, as 
long as consideration is given to any non-linear 
behavior in the linearization process.    

e) However, despite the success thus far, further work 
should be done to evaluate other non-conventional 
gas and heterogeneous systems.  Toh4, for example,  
suggested that sectionally homogenous with 
extremely large permeability contrasts may not 
entirely be amendable to ERH.  

 
Nomenclature 
 
A Reservoir Area, ft2 

Bgi Gas FVF at Initial Conditions (Dim) 
CA Shape Factor, Dimensionless 
ct Total System Compressibility (psia-1) 
cti Total System Compressibiity at Pi (psia-1) 
h Net pay (ft) 
OGIP Original-Gas-In-Place (scf) 
m(p) Pseudo-pressure of “P” (psia2/cp) 
m(pi) Pseudo-pressure of “Pi” (psia2/cp) 
n Index  
P Pressure (psia) 
Pi Initial Reservoir Pressure (psia) 
Pwf Flowing Sandface Pressure (psia) 
PR Average Reservoir Pressure (psia) 
pD Dimensionless Pressure 
qg    Gas Rate at Standard Conditions (mscf/d) 
Qg Cumulative Gas Produced 
Swi Initial Water Saturation (fraction) 
s’ Wellbore skin 
t Time (hrs) 
ta Pseudo-time (hrs) 
tD Dimensionless Time referenced to rw 
tDa Dimensionless Pseudo-Time referenced to rw
tDA Dimensionless Time referenced to Area (A) 
k Permeability (md) 
rw Wellbore radius (ft) 
rwa Apparent Wellbore Radius (ft) 
Tf Formation Temperature (oR) 
γ Euler’s Constant 
γm Permeability Modulus 
φ Porosity  
µ Gas viscosity (cp) 
σ Stress 
zi Gas deviation factor 
 
Subscripts: 
a Pseudo-time 
A Area 
D Dimensionless 
g Gas 
i Initial 
PSS Pseudo-steady state 
t Total 
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wf Wellbore Flowing 
w Wellbore 
m Modulus 
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Appendix 1:  Normalized “q” Vs. “Q” 
The Normalized Rate versus Normalized Cumulative 
Production plot is based upon the work of Argawal et al2.  In 
general, they showed that the linear relationship shown in (1) 
exists during PSS flow10.   In the original work, OGIP was 
estimated by plotting the reciprocal of dimensionless wellbore 
pressure (1/PD) versus cumulative production to generate a 
rate-cumulative-decline curve.  This plot forms a straight line 
tending towards 1/(2π) during PSS, and is the basis of (1).  
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Originally (1) was derived for the purpose of determining 
original gas-in-place from flowing gas rate-pressure data.  
However, re-derivation of (1) from the common dimensionless 
PSS flow equation (2) shows that more than OGIP can be 
evaluated.   Starting with (2), and substituting (3) which 
represent material balance gives (4) after substitution with 
standard dimensionless conversions.  Appendix 5 outlines 
typical dimensionless variable definitions. 
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Now (4) can be altered further by taking the volumetric 
definition for OGIP (or G) shown in (5) and replacing net pay 
“h” in the first term to the right of the “equals” sign.    As a 
result,  the linear equation (6) is developed with (7), and (8) as 
defined.  
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Alternatively, (6) and (7) could have been derived from using 
the dimensionless equations first outlined by Argawal2 et al.  
Also, (6) implies the use of pseudo-time and pseudo-pressure 
which account for some of the non-linear behavior of gas.  

Appendix 2:  Normalized “q” Vs. “t” 
The Normalized Rate versus Normalized time plot is based 
upon the work of Wattenbarger6,7 et al.  In general, they 

showed, they showed that the linear relationship (9) exists 
during PSS flow.  It is apparent that (9) linearizes rate-time 
data where the OGIP is proportional to the slope as shown in 
(10).    However, following re-derivation from (2) will show 
that “b”, or the y-intercept is identical to the reciprocal of (7).   
Incidentally, the superposition PSS time function shown in (9) 
is identical to material balance time proposed by Blasingame 
et al.  Also (9) incorporates both pseudo-time and pseudo-
pressure to account for the pressure dependant properties of 
gas. 
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Appendix 3:  Stress Dependant  Permeability 
The Normalized Rate versus Normalized time plot is based 
upon the work of Wattenbarger et al.  In general, they showed, 
they showed that the following linear linear relationship exists 
during PSS flow: 
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Appendix 4:  Other Non-Linear Permeability 
Assuming PSS and material balance time, it is possible that 
(12) and (13) could be extended to other non-linear 
permeability scenarios such as two-phase CBM production.   
For example, if one recognizes ke = kak(Sw), where Sw(PR), 
then equations (12) and (13) hold for two phase production as 
well for permeability is ultimately a function of PR as 
originally shown for the pressure dependant permeability 
scenario.   Evaluation of the “b” constants in both scenarios 
would return absolute permeability.    
 
Appendix 5:  Dimensionless Variables 
The following definitions for dimensionless variables are used 
throughout this paper.    
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Table 1: Case reservoir properties 

 
 

 
 

Figure 1: Internal Boundary Schematic  
 
 

 
Figure 2: Normalized Rate vs. Cum. (Case 1) 

 
 

 

 

Case Well Net 
Pay 

(feet) 

Porosity 
(%) 

Pi 
(Psia) 

k 
(md) 

SG TF 
(oF) 

OGIP 
(Bscf) 

Sw 
(%) 

Area 
(Acres) 

Case 1 Internal 
Boundary 

12.0 12.00 2500.00 20 0.65 120.0 5.4 20.00 640.0 

Case 2 C231 30.0 9.00 6815.0 0.04 0.61 203.0 0.9-1.0 50.00 51.0-54.0 
Case 3 Stress 

Dependant 
Perm. 

362.0 15.00 8800.0 0.00-
0.001 

0.717 290.0 259.0 47.0 649 

Case 4 Well J7 92.0 15.00 8800.0 1.9 0.65 290.0 6.9 -7.1 47.0 68.0-78.9 
Case 5 HR-58 374.5 13.54 14000.0 0.038 0.717 290.0 9.8 26.18 N/A 
Case 5 HR-60 219.0 12.00 14000.0 0.06 0.717 290.0 6.6 23.5 N/A 
Case 6 CBM 40.0 0.30 600.0 0.5 0.544 100.0 1.60 0.0 160 
Case 7 Well #1 24.0 11.00 3500.0 0.14 0.65 190.0 3.4 35.0 182 

 
 

 
Figure 3: Normalized Rate vs. Normalized Time (Case 1) 
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Figure 4: Five Year Forecast using Eqv. Radial and Internal 
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Figure 5: Contant Rate Typecurve – Internal Boundary
                                       (Case 1) 
 

 
Figure 6: Constant Rate Typecurve for Internal Bounday 

Model (Case 1) 
 
 

 
Figure 7: Constant Pressure Typecurve for Internal 

Boundary Model (Case 1) 
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Figure 8: Raw Data and Models of Well C231 (Case 2) 
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Figure 9: Semi-log straight line (Case 2) 
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Figure 10: Normalized Rate vs. Time (Case 2) 

 
 



SPE 99351  11 

 
Figure 11: Normalized Rate vs Normalized Time (Case 2) 

 
 
 

 
Figure 12: Normalize Rate vs. Normalized Cum. (Case 2) 

 
 
 
 

 
Figure 13: Normalized Rate vs. Normalized Cum. (Case 3) 

 

 
Figure 14: Production Data Analysis of Pressure 

Dependant Permeability (Case 3) 
 
 

 
Figure 15: Blasigname Typecurve (Case 3) 

 
 
 
 
 
 
 
 
 

 
Figure 16: Bourdet Typecurve (Case 3) 
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Figure 17:  Stress Dependant Perm OGIP Calculation 
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Figure 18: Raw Data vs. Normalized Decline (Case 3) 

 
 
 

 
Figure 19: Noramlized Rate vs. Normalized Cum of well 

J7 (Case 4) 
 
 

 
Figure 20:  Raw Data and analysis of well J7 (Case 4) 

 
 

 
Figure 21: Normalized Rate vs. Normalized Cum. For 

Well HR-58 (Case 5) 
 

 
Figure 22: Normalized Rate vs. Normalized Cum. For 

Well HR-60 (Case 5) 
 



SPE 99351  13 

 
 

Figure 23: Raw Data and Model for well HR-58 (Case 5) 
 
 

 
 

Figure 24: Raw Data and Model for well HR-58 (Case 5) 
 

 
Figure 25: Normalized Rate vs Normalized Cum. Single 

Phase CBM (Case 6) 
 

 
Figure 26: Normalized Rate vs. Normalized Time Single 

Phase CBM (Case 6) 
 
 

 
Figure 27: Simulation Data and ERH Model for Single 

Phase CBM (Case 6) 
 

 
Figure 28: NPI Typecure for Single Phase CBM (Case 6) 
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Figure 29: Blasingame Typecurve for Single Phase CBM 

(Case 6) 
 
 
 
 
 
 
 

 
Figure 30: Bourdet Typecurve for Single Phase CBM 

(Case 6) 
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Figure 31: Raw Data and Model (Case 7) 

 
 

 
Figure 32: Normalized Rate vs. Normalized Cum. (Case 7) 

 

 
Figure 33: Baree Typecurve (Case 7) 

 
 
 

 
Figure 34: Barre Normalized Decline (Case 7) 
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Figure 35: Bourdet Typecurve (Case 7) 

 
 

Figure 36: Blasingame Typecurve (Case 7) 
 

 
 

Figure 37: NPI Typecurve (Case 7) 
 
 
 

 
 
 
 
 
 
 
 


